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Natural gas based hydrogen production with carbon capture and 
storage is referred to as blue hydrogen. If substantial amounts of 
CO2 from natural gas reforming are captured and permanently 
stored, such hydrogen could be a low-carbon energy carrier. 
However, recent research raises questions about the effective 
climate impacts of blue hydrogen from a life cycle perspective. Our 
analysis sheds light on the relevant issues and provides a balanced 
perspective on the impacts on climate change associated with blue 
hydrogen. We show that such impacts may indeed vary over large 
ranges and depend on only a few key parameters: the methane 
emission rate of the natural gas supply chain, the CO2 removal rate 
at the hydrogen production plant, and the global warming metric 
applied. State-of-the-art reforming with high CO2 capture rates 
combined with natural gas supply featuring low methane emissions 
does indeed allow for substantial reduction of greenhouse gas 
emissions compared to both conventional natural gas reforming 
and direct combustion of natural gas. Under such conditions, blue 
hydrogen is compatible with low-carbon economies and features 
climate change impacts in line with green hydrogen from 
electrolysis supplied with renewable electricity. However, neither 
current blue nor green hydrogen production pathways render fully 
“net-zero” hydrogen without additional carbon dioxide removal. 

Introduction 
Hydrogen is foreseen to be an important energy vector in (and 
after) the transition to net-zero Greenhouse Gas (GHG) 
emission economies.1–5 The prerequisite is that its production 
results in very low GHG emissions, such that the overall process 
of hydrogen production and use could be made net-zero with a 
feasible level of carbon dioxide removal from the atmosphere. 
There is common agreement among Life Cycle Assessment 
(LCA) studies that the climate change impact of hydrogen 
production can be low, when produced from certain biogenic 

resources (some wood, agricultural residues, etc.), as well as 
when produced using water electrolysis powered by low-carbon 
electricity (e.g. from wind power).6–15 However, there is less 
clarity on the climate change impact of hydrogen produced 
from natural gas (NG) and other fossil fuels, coupled with CO2 
capture and storage (CCS) – often colloquially called blue 
hydrogen.  
Some of the authors of this contribution investigated life cycle 
impacts on climate change from a range of blue hydrogen 
production technologies for the European situation and 
published the results in 2020.7 The reductions in carbon dioxide 
equivalent (CO2-eq.) emissions per unit of hydrogen production 
were in the order of 50-85% when compared to standard NG-
based hydrogen production without CCS, when calculated using 
100-year global warming potentials (GWP). This result showed 
that at least some blue hydrogen configurations could 
contribute to a low-carbon future if critical issues in the 
corresponding production chains could be addressed. In 
contrast, a recent analysis suggests only very minor climate 
benefits of blue hydrogen and concludes that “the use of blue 
hydrogen appears difficult to justify on climate grounds”.16 Such 
contradicting results demand an in-depth analysis and a 
transparent scientific discussion of the underlying assumptions 
and approaches to come to a common understanding. 
Whether, and under which conditions, blue hydrogen could 
represent a low-carbon energy carrier is a key question at 
present, as society urgently needs to make decisions about low-
carbon technologies.17 Beside requiring long-term and large 
investments, some of these technology choices imply systemic 
structural changes across the energy system, and long-lasting 
impacts on atmospheric concentrations of greenhouse gases 
and thus on climate change. Such decisions must therefore be 
taken based on solid scientific evidence, for which LCA – carried 
out in line with best practices18–20 – seems the most appropriate 
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Context 
Any future “net-zero” economy will rely on a broad 
portfolio of new and existing technologies as well as low-
carbon energy carriers and feedstocks including hydrogen 
produced with minimal or zero greenhouse gas emissions. 
This is the case when water splitting via electrolysis uses 
low-carbon electricity from either renewables or nuclear. 
However, the potential growth curve in hydrogen demand 
is unlikely to be met by the feasible expansion in both 
electrolyzer and low-carbon electricity generation 
capacities. Natural gas based hydrogen with carbon capture 
and storage may allow for an additional and completely 
independent “low-carbon” option, thus increasing the 
overall implementation speed. 
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method. Such comprehensive evidence is currently lacking: our 
previous analysis7 did not explore the entire range of blue 
hydrogen production chains and thus did not reflect the range 
of potential climate change impacts. Similarly, Salkuyeh et al.21 
performed an LCA of few very specific technology options for 
blue hydrogen production in Canada. Finally, the more recent 
analysis16 does not follow best practices in LCA as it, for 
example, takes into account neither GHG emissions associated 
with capital goods nor those originating from transportation 
and geological storage of CO2; and it relies on data for natural 
gas supply only in the US context. 
This communication seeks to contribute to closing the 
described evidence gap by synthesizing the results from recent 
peer-reviewed LCA studies of blue hydrogen production and 
natural gas supply chains, using broad, and realistic, ranges of 
key parameters, and thus providing a fact-based perspective on 
the potential climate benefits of blue hydrogen. In addition, it 
seeks to explain what causes the large differences in climate 
change mitigation potential of different blue hydrogen 
production chains. Finally, it defines essential targets for 
technology development and regulations. In doing so, it aims to 
generate enhanced understanding of the complexities of blue 
hydrogen, thereby providing important insights and levers to 
policy- and decision-makers as well as to the scientific 
community. 

Methodological and parameter choices 
The climate change impacts of hydrogen production from 
natural gas with CCS – quantified by means of LCA – depend on 
several processes within the entire value chain, and on many 
assumptions and methodological choices. However, as will be 
demonstrated below, we find that the following three aspects 
are particularly important: the blue hydrogen production 
technology; the methane emissions from natural gas supply 
chains; and the choice of metrics for quantifying impacts. 

1) Blue hydrogen production technology with CO2 capture 

Hydrogen production from natural gas is a well-established 
technology that has been used for decades in industry,22,23 e.g. 
for oil refining and ammonia production. Currently, the most 
widely used technology for production of high purity hydrogen 
at the scale needed in chemical plants is Steam Methane 
Reforming (SMR). Large-scale ammonia and methanol 
production use a range of reformers to produce the ideal syngas 
composition for the final product synthesis, e.g. SMR, air-fed 
Autothermal Reformers (ATR) and Gas-Heated Reformers 
(GHR).24 Partial oxidation of natural gas is another commercially 
operating process that can be used for merchant hydrogen 
production. Common to all these proven processes is the 
production of a H2-rich synthesis gas (syngas for short), from 
which H2 and CO2 can be easily separated with high purity. 
For large-scale merchant production of hydrogen with CCS in 
the next decades, oxygen-based technologies with internal 
heating (e.g. ATR) are likely to become more commonplace due 
to good economies of scale, while the higher natural gas 

conversion may make the achievement of high CO2 capture 
efficiencies more energy efficient and less costly.25,26 
The net efficiency of converting natural gas into hydrogen is 
high, about 76-77% of the energy content (Lower Heating Value, 
LHV) of the feedstock natural gas is contained in the hydrogen, 
both for SMR and for ATR processes.7 It is also notable that SMR, 
and to a somewhat lesser extent ATR, plants typically produce 
steam in excess of that needed in the reforming reaction, which 
can be used to generate electricity.7,23  
CO2 capture and geological storage is an effective means of 
reducing the GHG footprint of hydrogen production from fossil 
feedstock. In a hydrogen plant with CCS, essentially 100% of the 
carbon in feedstock is fully oxidized to CO2, either through the 
water gas-shift reaction or combustion. It can then be readily 
removed by chemical solvents or physical separations. 
Depending on the reformer process configuration, the CO2 will 
be contained in a combination of syngas and combustion 
exhaust streams. The CO2 molecules can be removed from all 
the CO2-containing gas streams present in the hydrogen 
production plant (i.e. from syngas and/or combustion flue gas), 
and then transported to a permanent underground storage 
location. The energy required to run the capture system (e.g. 
steam for solvent regeneration and electricity for CO2 
compression) can typically be recovered from the hydrogen 
production process. This means that, in contrast to CO2 capture 
for electric power, relatively little, if any, additional natural gas 
needs to be burned to supply energy for capture and the 
corresponding reduction in efficiency of hydrogen production is 
small.7,23 However, relative to a facility without CO2 capture, the 
opportunity for electricity generation is reduced, which slightly 
increases the life cycle GHG emissions of the hydrogen 
production. 
In the context of reaching net-zero GHG emissions, it is 
imperative and technically feasible to remove the vast majority 
of the CO2 produced in the hydrogen plant. However, currently 
operating (first-of-a-kind) CO2 capture plants coupled to 
hydrogen production capture only 50-60% of the overall 
(hereafter “plant-wide”) CO2 emissions produced. This is mainly 
because they capture only CO2 from the syngas in SMR 
applications, but not the CO2 in the combustion products. 
Examples include the Shell Quest project,27 and the Port Arthur 
plant.28 These examples are not representative of the hydrogen 
CCS plant configurations planned in Europe and the US, 
however, where plant-wide CO2 removal rates higher than 90% 
are expected.29–32 The relevant CO2 capture technologies have 
been demonstrated in a number of commercial or 
demonstration scale plants over several years: commercial scale 
plants consistently achieve more than 92% removal of CO2 from 
coal combustion gas in the commercial-scale Petra Nova facility 
in Texas33 and more than 93% removal of CO2 from synthesis 
gas in the Coffeyville Resources ammonia plant in Kansas.34 
More than 99% CO2 removal from hydrogen production syngas 
is commonplace in ammonia plants.35 

2) Methane emissions from natural gas supply chains 

Methane emissions from the oil and gas supply chain are an 
important contributor to global greenhouse gas emissions.36 
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With a global warming potential around 30 and 85 times higher 
than that of CO2 over 100 and 20 years, respectively, methane 
emissions can be an important contributor to GHG emissions 
associated with the natural gas supply chain.37 Recent research 
has demonstrated that methane emissions occur across the 
entire supply chain, including production, processing, pipeline 
transportation, and distribution.38–40 Furthermore, field 
measurements in North America have identified under-
estimation in official methane emissions inventories.41–43 The 
climate impacts of blue hydrogen can hinge on the sources and 
magnitude of these emissions, because they can make up a 
major fraction of the total GHG emissions when a high level of 
CO2 capture (and storage) is applied within the supply chain. 
The higher the CO2 capture rates, the higher the relative 
contributions of such methane emissions to the overall climate 
impact of blue hydrogen. Also, the life cycle impact of upstream 
methane emissions increases with application of shorter time 
horizons for measuring climate impacts. 
Incorporating methane emissions in an LCA model of blue 
hydrogen in a representative and context-specific manner is 
non-trivial. On the one hand, the characterization of methane 
emissions from natural gas supply chains in commonly used life 
cycle inventory databases is inconsistent and outdated, and 
likely to underestimate these emissions.44–46 On the other hand, 
reported methane emissions from natural gas supply chains 
based on field measurements exhibit large variability,41,47,48 
making it difficult to select a representative “average” emission 
value for use in LCA calculations. 
Several factors contribute to real and reported variability in 
methane emissions from the oil and gas sector. While some of 
these can be addressed through appropriate methodological 
choices in LCA, others require further research and data 
collection. The key challenges – in approximate descending 
order of importance – to incorporating representative methane 
emissions in the LCA of blue hydrogen are: 
 

1) Spatial and temporal variability 
2) Lack of geographically representative field data  
3) Lack of consistent reporting metrics  
4) System boundaries  

 
Recent field studies have shown significant spatial and temporal 
variability in methane emissions across global oil and gas 
basins.39,49 These variations arise from differences in basin and 
resource characteristics, operational equipment, maintenance 
practices, and/or environmental conditions. For example, Burns 
and Grubert report production methane emission rates by US 
state varying between 0.9% and 3.6% based on a re-analysis of 
published literature.48 Furthermore, methane emission rates 
estimated in these studies differ substantially from official 
inventory estimates. In a comprehensive meta-analysis of field 
data in the US, Alvarez et al. report a national production-
averaged methane emission rate of 2.3% across the US oil and 
gas supply chain, 60% higher than official U.S. Environmental 
Protection Agency (EPA) GHG inventory estimates.41 Similarly, a 
recent analysis of eight years of field observations in Western 
Canada by researchers at Environment and Climate Change 

Canada (ECCC) showed methane emissions to be 60% higher 
than that of official Canadian inventory estimates.42 Estimates 
of methane emissions across basins are continuously being 
updated as a result of improved measurement approaches – 
e.g. a recent analysis of aerial-based methane measurements in 
the Permian basin in the US exhibited leakage rates over 9%.50 
Furthermore, differences in measurement platform (ground-
based vs. aerial vs. satellite), time of measurement, and 
methodological approach renders direct comparison across 
studies challenging. Thus, although each of these individual 
studies might accurately report methane emissions in a specific 
time and place, the large observed variation makes simplistic 
country-level representation in LCA studies prone to errors. 
Another major challenge for LCA studies is the lack of robust 
bottom-up field data on methane emissions outside North 
America. Over the past decade, several independent field 
campaigns across multiple oil and gas basins have been 
conducted in the US and Canada. These campaigns have 
significantly improved our understanding of oil and gas 
methane emissions, including recent breakthroughs in 
reconciling field measurements with inventory estimates.43 By 
comparison, there have been far fewer aircraft or ground-based 
field studies outside North America that can shed light on global 
oil and gas methane emissions. Much of the available non-U.S. 
or Canada field data are based on satellite observations that 
often have low spatial resolution resulting in large uncertainties 
associated with source attribution.51 An example for such 
satellite-based data is the methane tracker of the International 
Energy Agency,52 which provides country-specific methane 
emissions from natural gas supply chains. This data set 
highlights large country-level variations, with emissions ranging 
from near-zero for countries like Norway and Qatar to over 6% 
for countries like Libya and Iraq. However, the lack of direct 
measurements of methane emissions often means that 
country-level emission estimates are uncertain due to 
methodological issues. 
Methane emissions from natural gas supply chains are usually 
reported as emission rates, e.g. in terms of “gram CH4 emitted 
per gram of natural gas delivered”.38 However, they can also be 
expressed as “mass methane emitted from natural gas 
production sites per mass methane withdrawn”.48 Comparing 
emission rates expressed in these two ways requires knowledge 
about natural gas compositions, which are often not explicitly 
provided. Similarly, if methane emission rates are based on the 
energy content of natural gas, it is not always clear whether net 
(lower) or gross (higher) calorific values are used, and the 
assumed value is also often unknown. Furthermore, natural gas 
is often produced as associated gas where it is extracted along 
with crude oil and other liquids, resulting in combined 
measurements of methane emissions associated with all 
products. 
An LCA of blue hydrogen production requires specific emission 
factors for the natural gas used as feedstock. Therefore, 
methane emissions of combined production processes must be 
assigned or allocated to single products.47,48 Sometimes, 
methane emissions are entirely assigned to the natural gas 
supply chain, which results in an overestimation. But even if the 
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emissions of combined production are subdivided, this 
allocation can be based either on energy content or mass of the 
co-products, or on the revenue generated by selling them, 
which can cause substantial differences in the NG-specific 
methane emission rates.53,54 Alternatively, a well-level purpose 
allocation can be applied,48 assigning emissions entirely to the 
product representing the primary purpose of the resource 
extraction infrastructure. 
System boundaries are relevant, because the natural gas supply 
chain consists of various steps from exploration to final 
distribution and it is sometimes unclear which of these steps are 
included in reported estimates.46 In general, large-scale blue 
hydrogen production will be connected to the high-pressure 
natural gas transmission grid and therefore, methane emissions 
from final distribution to decentralized consumers (i.e. the low-
pressure distribution network) should not be included in the 
quantification of climate impacts of blue hydrogen. 
These challenges suggest that further research and data 
collection are required to develop a consistent and 
comprehensive inventory of our global natural gas system. In 
the meantime, an exploration of the variability in GHG 
emissions estimates is needed to understand the drivers of 
differences in GHG emissions from natural gas based hydrogen 
options. 

3) Metrics for quantifying impacts on climate change 

The evaluation of any methane-based mitigation option, in this 
case blue hydrogen, highly depends on the choice of GHG 
emission metric used to compare the impact of (fugitive) 
methane emissions to CO2 emissions and other greenhouse 
gases. The most prominent metric is the Global Warming 
Potential (GWP) that compares the future global warming 
caused by an idealized pulse of emissions of a specific 
greenhouse gas. Importantly, the GWP is a metric that 
aggregates impacts over time, hence its estimation requires the 
specification of a time horizon over which future warming is 
taken into account and compared (e.g. 100 years in GWP100). 
Given the short atmospheric lifetime of methane of roughly 
twelve years,55 the choice of time horizon has a strong impact 
on its GWP, and thus on the results of our analysis. This choice 
should be made in the context of the metric’s application, and 
there is no general correct approach. 
A key aspect in this respect is the ambition and focus of climate 
targets envisaged when evaluating climate mitigation options. 
A focus on stabilizing the climate at below 2°C warming in 2100 
implies a longer time horizon such as that incorporated in the 
GWP100 index, which is commonly used in long-term scenario 
analysis and LCA. With the 2015 Paris Agreement56 as well as 
increasing awareness about near-term climate damages17 and 
potential tipping points57, the scientific and political debate 
have shifted to limiting peak warming to close to 1.5°C.58,59 As 
1.5°C will likely be reached before 2050, this shift emphasizes 
the importance of avoiding warming in the next decades, which 
supports using shorter global warming potential time horizons 
such as GWP20 in addition to GWP100 and thus balancing short-
term with longer-term emissions. 
 

Discussion of implications on GHG emissions 
All three elements discussed above are crucial regarding the 
impacts of natural gas based (blue) hydrogen production on 
climate change: only a low methane emission rate of the natural 
gas supply chain combined with a high CO2 capture rate at the 
hydrogen production plant allows for substantial reductions of 
GHG emissions from a life cycle perspective. The methane 
emission rate becomes more important with a time horizon of 
20 years instead of 100 years. 
In Figure 1, we show life cycle GHG emissions of grey and blue 
hydrogen production considering the three major sources of 
variability. These include applying both GWP100 and GWP20, 
plant configurations representing high and low plant-wide CO2 
removal rates and variation of the methane emission rate of the 
natural gas supply chain between 0.2% and 8%. Hereby the 
selected CO2 capture rate and the resulting plant-wide CO2 
removal rates do not represent absolute limits, but rather show 
an indicative range between low capture efficiency of the 
existing plants, focusing on the delivery of CO2 as product for 
Enhanced Oil Recovery (EOR), and a relatively high capture 
efficiency that will be achieved under proper regulatory 
constraints or carbon taxes. The range of methane emissions 
represents their very large geographical variability, which 
reflects differences in extraction techniques and procedures, 
transportation of the natural gas and the related methane 
emissions due to flaring, venting, and leaks (see “methods” for 
details). 
 

 

Figure 1: Impacts on climate change associated with the production of NG-based 
hydrogen with methane emission rates of 0.2%, 1.5%, and 8%, and two plant 
configurations with high and low CO2 capture rates, applying both GWP100 and GWP20. 
Stacked bars show the origin of GHG emissions along the value chain. “CCS-low” and 
“CCS-high” indicate low and high overall plant-wide CO2 removal rates of 55% and 93% 
at the hydrogen production plant, respectively (see discussion on hydrogen production 
technology). 

The possible climate impacts of blue hydrogen vary accordingly: 
while the climate impact of adding CCS with the highest 
assumed methane emission rate (8%) – even with high capture 
rates – is limited to a reduction of GHG emissions by about 45% 
(GWP100) or 26% (GWP20), using natural gas from a supply 
chain with only 0.2% methane emission rate leads to a 
reduction of GHG emissions by about 75% (GWP100) or 72% 
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(GWP20) for a plant with a high CO2 removal rate. This shows 
that for natural gas supply chains with low methane emissions, 
the choice of global warming potential time horizon makes very 
little difference, whereas it gains importance for higher leakage 
rates. Long natural gas supply chains – be it for import to Europe 
via pipeline from Russia or as liquefied natural gas from the US 
and the Middle East – generally increase GHG emissions due to 
methane leakage as well as CO2 emissions associated with 
energy consumption along the chain. For natural gas supply 
chains with low methane emissions, CO2 emissions associated 
with electricity supply become the main source of emissions in 
the high CO2 capture cases. If low-carbon electricity were 
supplied, high capture cases could achieve emission reductions 
of up to 90% compared to hydrogen production without 
capture. 
 
In Figure 2 we compare the impacts on climate change of grey 
and blue hydrogen with hydrogen from electrolysis, using 
renewable electricity or average grid electricity in Europe and 
the US – again for methane emission rates of natural gas supply 
chains up to 8% and for hydrogen plant configurations with low 
and high CO2 removal rates. The figure reveals that, if methane 
emissions from natural gas supply are low and CO2 capture rates 
high, blue hydrogen is comparable with green hydrogen in 
terms of impacts on climate change. There is, however, also 
substantial variability regarding climate impacts of green 
hydrogen, because GHG emissions associated with renewable 
power generation can vary from close to zero (run-of-river 
hydropower) to about 60 g CO2-eq/kWh for solar photovoltaics 
(PV) at locations with rather low yields (e.g. in high northern 
latitudes),60 with wind power usually at the lower end of this 
range. In this context, supplying electrolysis entirely with 
renewable wind and solar power without connection to the 
power grid requires installation of electricity  storage (e.g. 
batteries) to cope with short-term intermittency of renewable 
generation,61 which increases climate impacts of hydrogen from 
an LCA perspective. This increase has been quantified to be in 
the order of 10% for a given system configuration as 
investigated by Palmer et al.10 However, since this is site-
specific and depends on the configuration of the electrolysis 
system, we do not consider such aspects here. 
In order to be competitive with green hydrogen in terms of 
climate impacts over the long-term, blue hydrogen should 
exhibit a life cycle GHG footprint of not more than 2-4 kg CO2-
eq/kg. This is only possible with high CO2 removal rates and 
methane emission rates below about 1% (GWP100) or 0.3% 
(GWP20). 
Life cycle GHG emissions of hydrogen from electrolysis using 
average grid electricity in Europe and the US are substantially 
higher than those of blue hydrogen up to very high methane 
emission rates from natural gas supply chains (in the order of 
8% or above), even applying the 20 year time frame for global 
warming potentials. This indicates that electrolyzers that rely 
partially on grid electricity to increase operational hours or 
buffer intermittency of renewables will have a substantially 
higher GHG footprint of hydrogen production than off-grid 
systems. 

Within (and beyond) the range of methane emissions from 
natural gas supply shown here, blue hydrogen is associated with 
lower GHG emissions than natural gas combustion. Relative 
reductions are substantial for high CO2 capture rates, less so 
with low CO2 capture rates. 

 

 

Figure 2: Impacts on climate change associated with the production of NG-based 
hydrogen as a function of the methane emission rate of NG supply chains for 
configurations with high (“CCS-high”) and low (“CCS-low”) CO2 capture rates, applying 
both GWP100 (top) and GWP20 (lower). For comparison, the climate impacts of 
hydrogen produced via electrolysis using average grid electricity in Europe or the US 
(markers), or renewables (run-of-river hydropower, wind power or photovoltaics – green 
shaded area) are shown. Orange lines represent life cycle GHG emissions of NG 
combustion, which are also a function of NG supply chain methane emission rates. 

Conclusions and recommendations 
Our LCA of hydrogen production with CCS shows that the term 
“blue hydrogen” as such can only be taken as synonym for “low-
carbon” hydrogen if two key requirements are met. 
First, natural gas supply must be associated with low GHG 
emissions, which means that natural gas leaks and methane 
emissions along the entire supply chain, including extraction, 
storage, and transport, must be minimized. Relatively low 
emissions are probably already occurring in certain locations 
today.  In the United States, emissions rates as low as 0.3-0.4% 
have been measured in one shale gas production region.62 In 
several other countries, such as Norway, the UK and the 
Netherlands, natural gas supply chains have emission rates 
typically below 0.5%.44,45,52 In contrast, several gas exporters 
like Russia, Algeria or Libya still have methane emission rates 
around or significantly higher than 2%44,45,52 and will require 
substantial investments into their existing infrastructure and 
operations to reach comparably low methane emission levels. 
There is very large uncertainty on these emissions, which needs 
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to be urgently addressed by improved measurement, reporting, 
and disclosure. 
Second, reforming technology with high CO2 capture rates must 
be employed. Our assessment is that CO2 capture technology is 
already sufficiently mature to allow removal rates at the 
hydrogen production plant of above 90%. Capture rates close to 
100% are technically feasible, slightly decreasing energy 
efficiencies and increasing costs, but have yet to be 
demonstrated at scale. Hydrogen production and CO2 capture 
must be designed in an integrated way to minimize additional 
energy demand for CO2 capture, as well as compression of 
hydrogen and CO2. If this requires net electricity import, such 
demand should ideally be met using low-carbon electricity.  
As long as the natural gas supply continues to have non-
negligible methane emissions, the question whether using a 
global warming potential time horizon of 20 or 100 years is 
crucial for the evaluation of climate impacts of blue hydrogen. 
There is currently no conclusive answer to this question and we 
suggest testing the robustness of LCA results using different 
perspectives. However, to the extent that the focus of climate 
change mitigation shifts from long-term stabilization to carving 
the global temperature peak in the short to mid-term (e.g. 
around 2050), the importance of GWP20 and thus the relative 
impact of short-lived methane emissions increase. 
Nevertheless, our main conclusion is that, if the above 
requirements are met, blue hydrogen can be close to green 
hydrogen in terms of impacts on climate change and can thus 
play an important and complementary role in the 
transformation towards net-zero economies. It is important to 
reiterate that no single hydrogen production technology 
(including electrolysis with renewables) is completely net-zero 
in terms of GHG emissions over its life cycle and will therefore 
need additional GHG removal from the atmosphere to comply 
with strict net-zero targets. Biomass-based hydrogen 
production represents an exception: adding CCS to wood 
gasification and reforming of biomethane can lead to net 
negative GHG emissions under certain circumstances.6,7 
However, sustainable biomass availability is likely to be 
limited.63 
 
We conclude with some reflections on the main implications of 
this research. 
First and foremost, policies and regulations applying to any type 
of hydrogen, such as GHG emission standards or emissions 
pricing, should consider the life cycle emissions of electricity for 
electrolysis and the natural gas supply chain for blue hydrogen. 
Only in this way can the whole system implications of such 
measures be fully understood. This means emission monitoring, 
verification, and reporting is required for emissions across the 
life cycle. A combination of public disclosure, GHG emissions 
pricing, public funding tied to GHG performance, and regulation 
would incentivise industry to produce clean hydrogen and to 
differentiate between natural gas suppliers. As European gas 
extraction has strongly declined over the last decades, with no 
trend reversal in sight, importing gas from countries with good 
monitoring practices and low methane emission rates should be 
prioritized from a European perspective. From a US perspective, 

and for other countries with primarily domestic supplies, best 
practices regarding minimizing methane emissions from the 
entire natural gas sector must be ensured. 
Second, with the transformation towards highly-renewable 
energy systems, the direct use of renewable electricity has 
advantages both in terms of life cycle emissions and costs. 
Hydrogen most likely has an important role to play in providing 
a long-term, low-carbon storage vector64 alongside 
decarbonising hard-to-abate sectors and applications, which 
can be prioritised according to climate impact, technical and 
economic viability.65 For example, hydrogen as a feedstock for 
chemical processes certainly needs to be decarbonized through 
green and blue routes, whereas residential heating should 
preferably be electrified. In addition, a similar prioritisation 
applies across the spectrum of hydrogen provenance and it 
should be noted that natural gas with CCS may be a more 
sustainable route than hydrogen to decarbonize such 
applications as power generation. 
We have demonstrated the conditions under which blue 
hydrogen has a comparable climate impact to green hydrogen. 
If these conditions are not met, then green hydrogen should be 
preferred. Both of these merit orders, for supply and end-use 
cases, require targeted policies aiming at setting efficient 
incentives.  
Third, the temporal development of the energy system 
transformation needs to be borne in mind. Given the short- to 
medium-term scarcity of green hydrogen, blue hydrogen can 
play a role as a bridging technology supporting the uptake of 
hydrogen infrastructure and hydrogen end-use transformation. 
Blue hydrogen projects can be developed under the 
recommendations presented here without crowding out the 
global ramp-up of green hydrogen supply. As both blue and 
green hydrogen have innovation potential, policies and 
regulations should support both options independently until 
they are fairly mature and can compete (e.g. based on carbon 
pricing accounting for full life cycle GHG) – provided the above 
conditions for blue hydrogen are met and the necessary 
prioritization of demand areas is reflected. 
Total costs of blue hydrogen are determined by the costs of 
achieving low leakage, high capture rates and permanent CO2 
storage, as well as natural gas prices, residual emissions and 
(explicit or implicit) carbon pricing. The competitiveness with 
green hydrogen depends on the cost reductions of electrolysis 
and renewable electricity, as well as green hydrogen availability 
compared with overall hydrogen demands. The future of blue 
hydrogen in a climate-neutral world therefore depends strongly 
on the extent to which residual emissions can be avoided or 
compensated for via carbon dioxide removal as well as on the 
availability of geological CO2 storage sites. 

Methods 
We built our analysis upon the coupled process simulation and 
LCA model developed for our previous analysis7 and refer to this 
paper for a detailed description. Some key elements of the 
present analysis, including updates compared to our previous 
work, are provided in the following. 
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Our reference product in the present work is “Hydrogen, 
gaseous, at 200 bar and with a purity of 99.9% or higher”. We 
selected two example hydrogen production plant 
configurations (here called “CCS-low” and “CCS-high'') from our 
previous analysis,7 they both include CO2 capture from the 
synthesis gas using Methyl diethanolamine (MDEA) as 
absorbent. “CCS-low” represents configurations with low (i.e. 
~55%) removal of plant-wide CO2 emissions and corresponds to 
“SMR with CCS, HT, MDEA 90”. “CCS-high” represents a 
configuration with high removal of plant-wide CO2 emissions 
and corresponds to “ATR with CCS, HTLT, MDEA 98”. The 
acronyms HT and LT indicate the use of high temperature water 
gas-shift only or the use of a low temperature and high 
temperature water gas-shift, the latter leading to a higher 
hydrogen and CO2 content in the syngas. The numbers 90 and 
98 represent the CO2 capture rates of the capture unit that 
captures CO2 from the produced synthesis gas. Plant-wide, 
overall CO2 capture rates amount to 55% and 93% for the SMR 
and ATR configuration, respectively.7 The lower overall capture 
rate of the SMR is a consequence of the fact that of the two 
sources of CO2 present in an SMR, applying capture from syngas 
only excludes capturing the CO2 from the natural gas (and 
reformer tail gas) combustion in the reformer furnace. A post-
combustion unit would be needed to capture all the CO2 in the 
flue gas. The ATR configuration does not include a reformer 
furnace as it is driven by heat produced in the reformer itself. It 
therefore allows recovering the majority of the direct CO2 
emissions from the syngas. The ATR does usually have a small 
fired heater that emits some CO2, which is why with 98% 
capture from the syngas, 93% of the total plant-wide emissions 
are removed.7  
Our LCA is based on detailed process modelling, which 
quantifies the overall energy demand of the hydrogen 
production plants designed to produce 9 metric tons of 
hydrogen per hour with and without CO2 capture depending on 
the plant configuration and CO2 capture rates. Antonini et al.7 
showed in Figure 2 that some configurations generate excess 
electricity, which – in line with common LCA procedures18–20 – 
is assumed to substitute average grid electricity via an emission 
credit. Hydrogen production plant configurations that exhibit a 
negative electricity balance (including the compression of 
hydrogen to 200 bar) are supplied with average grid electricity. 
Our default location for hydrogen production is Europe – hence, 
average European electricity is used or substituted, 
corresponding to the “ENTSO-E” region in the ecoinvent 
database.66 As the grid CO2 intensity, e.g. in the US is higher than 
in Europe, electricity substitution and consumption would lead 
to higher CO2 benefits and burdens, respectively. 
The impacts on climate change of hydrogen from electrolysis 
are based on the analysis by Zhang et al.15 Electricity demand 
for the PEM electrolyzer has been updated10 and amounts to 55 
kWh per kg of hydrogen (including compression from 25 bar at 
the electrolyzer to 200 bar). We used background LCI data from 
the ecoinvent database, v3.7.1, system model “allocation, cut-
off by classification”66 instead of v3.5 in the previous analysis. 
This includes the GHG-intensities of average grid electricity in 
Europe and the US, which represent technology market shares 

as well as imports and exports in 2017 and 2018, respectively. 
Europe is represented by the “ENTSO-E” supply region.66 
The methane emission rate from the natural gas supply chain is 
defined as “(kg) methane emitted per (kg) natural gas delivered 
at high-pressure pipeline” in our analysis, i.e. the associated 
system boundaries include natural gas extraction from the 
ground (often referred to as “production”), gathering and 
processing, and high-pressure transmission. Hydrogen 
production plants are supplied by high-pressure natural gas 
pipelines, therefore, methane emissions from the local natural 
gas distribution grid are not considered. 
Our quantification of life cycle GHG emissions of grey and blue 
hydrogen as well as natural gas combustion as a function of the 
methane emission rate of natural gas supply chains in Figures 1 
and 2 builds upon new Life Cycle Inventory (LCI) data of natural 
gas extraction in countries supplying the European market45 and 
associated supply chains.44 These have been verified by the 
German “Institut für Energie- und Umweltforschung”.67 This 
average European natural gas supply exhibits a methane 
emission rate of about 1.3%. We modified this rate, choosing a 
lower bound of 0.2%, a representative mid-range value of 1.5%, 
and an upper bound of 8% to cover a realistic range of these 
emissions. We keep all other factors, such as energy demand for 
(re-)compression of natural gas, transport infrastructure 
demand and CO2 emissions from flaring of natural gas constant, 
although we note that reductions in those emissions can likely 
be achieved as well. A methane emission rate of 0.2% 
corresponds to the goal of the Oil and Gas Climate Initiative68 
and emission rates below or around this target have been 
reported for natural gas supply from countries such as Norway, 
The Netherlands and the UK.44,45 In contrast, a methane 
emission rate of around 8% has been reported for Libya44,45 and 
some gas fields in the US,50 which indicates high methane 
emissions at the gas extraction wells and/or a dysfunctional 
natural gas infrastructure in general. For geological storage of 
CO2, it is assumed to be injected into a saline aquifer at a depth 
of 1000 m, which is connected to the hydrogen production plant 
with a 200 km pipeline. Variation of CO2 storage depth and 
transport distance has shown minor impacts on LCA results for 
impacts on climate change.69 
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